This study proposes a numerical simulation approach without direct specification of relative permeability functions. Using this approach, it is not necessary to impose relative permeability functions as input to the simulator in order to conduct the numerical simulations of two-phase fluid flow. Instead only capillary pressure data need to be imposed and the relative permeabilities can be calculated consistently using specific models. Example numerical simulations at both core and reservoir scales were conducted to test the technique without the direct input of relative permeability functions from experimental data. The results showed that the production performance calculating from the numerical simulations without the input of relative permeability functions was almost the same as the experimental data. Using the method proposed in this study, the effects of pore size distribution index and entry capillary pressure on oil recovery by gravity drainage were investigated at both core scale and reservoir scale. The technique may be especially suitable for reservoirs in which it is difficult to measure relative permeability curves. Such reservoirs include gas-condensate reservoirs, extremely low permeability reservoirs, and geothermal reservoirs. The proposed technique may also be useful to upscaling, numerical simulation while drilling, and other areas.
Introduction
Reducing uncertainty [1] [2] [3] has been a challenge for the past decade or so in numerical simulation and reservoir engineering. One source of prediction uncertainty is that the input to numerical simulators is uncertain and inaccurate. For example, relative permeability data variation may introduce significant uncertainty. Pickup et al. 4 reported recently that variation in relative permeability due to small-scale heterogeneities, such as cross-bedding, could have a significant impact on reservoir performance. On the other hand, experimental data of relative permeability may also have significant error or uncertainty. McPhee and Arthur 5 reported a comparison study in which homogeneous core samples were provided to five different laboratories and specific procedures were specified. It was found that residual oil saturation could vary by 20% and there was a great difference between the highest and lowest end point water relative permeability values. If the laboratories applied their own standard analysis procedures, the discrepancies in residual oil saturation increased to about 34% and the discrepancies in relative permeability might be unacceptable. Due to the great uncertainty from experimental data, relative permeability is often a parameter set to tune or obtain by automatic history match. However, tuning the relative permeability parameters independently may result in curves that are unphysical and/or inconsistent with other flow properties.
Uncertainty may be reduced if the number of input parameters is decreased, especially if the parameters with greatest uncertainty are avoided. This may be realized by imposing only capillary pressure data as input to numerical simulators. Relative permeability can be inferred because relative permeability and capillary pressure are correlated. There are many papers [6] [7] [8] [9] [10] [11] [12] [13] [14] [15] [16] [17] [18] in this field. Purcell 6 developed a method to calculate the permeability using pore size distribution derived from mercury-injection capillary pressure curves. This method established the relationship between permeability and capillary pressure. Later the relationship was extended to multiphase fluid flow in porous media and was used to calculate relative permeabilities, as reported by Gates and Leits 7 . After that, Burdine 8 introduced a tortuosity factor in the model. Corey 9 and Brooks and Corey 10 summarized the previous works [6] [7] [8] and modified the method by representing capillary pressure curve as a power law function of the wetting phase saturation. Honarpour et al. 11 reviewed the literature on the correlation between relative permeability and capillary pressure in drainage cases in this field. Land [12] [13] established the relationship between relative permeability and capillary pressure in imbibition cases.
Papatzacos and Skjaeveland 14 reported a theory for singlecomponent, two-phase flow in porous media. The theory includes wettability and capillary pressure as integral parts of the thermodynamic description and does not make use of the relative permeability concept. However, by providing a capillary pressure correlation, it is possible to infer relative permeabilities.
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Numerical Simulation with Input Consistency between Capillary Pressure and Relative Permeability Kewen Li, SPE, and Roland N. Horne, SPE, Stanford University Capillary pressure and relative permeability are important input to numerical simulation. Even though it was found long ago that both are correlated, the experimental data of capillary pressure and relative permeability are usually still imposed as two separate inputs to numerical simulators.
Recently we demonstrated that relative permeabilities in many two-phase fluid flow systems could be calculated satisfactorily using specific models once reliable capillary pressure data are available 19 . According to this finding, it may not be necessary to impose relative permeability functions as separate input to the simulator in order to conduct the numerical simulations of two-phase fluid flow. Instead only capillary pressure data need to be imposed and the relative permeabilities can be calculated using the models that we specified in a previous paper 19 . There are many advantages to doing so. Measurements of relative permeabilities over the full range of saturation are usually time-consuming, expensive, and inaccurate in many cases while the measurements of capillary pressure curves are faster, cheaper, and more accurate. Reservoir engineering computations may be more efficient, more economical, more consistent, and more reliable by using the capillary pressure methods to obtain relative permeabilities instead of using separate specification in the simulator input.
On the other hand, the correlation between capillary pressure and rock properties has been established experimentally much better than that between relative permeability and rock properties. Unlike the common method (tuning relative permeability curves), one can match production history by tuning capillary pressure curves with physical significance based on the well-established correlation between capillary pressure and rock properties (J-function). One more advantage is that uncertainty may be reduced because the number of input parameters is decreased.
In this study we conducted example numerical simulations for oil production by gravity drainage using the approach proposed. The results demonstrated that the oil production calculated by imposing only the capillary pressure data is consistent with the experimental data. The relative permeabilities required for numerical simulation were calculated from the capillary pressure data. We also showed that the proposed numerical simulation approach would be useful to conduct theoretical study or sensitivity analysis by numerical simulation. For example, the effects of entry capillary pressure and pore size distribution index on oil recovery by gravity drainage were investigated at both core and reservoir scales.
Mathematics
In a previous paper 19 , we demonstrated that relative permeability of two-phase fluid flow could be calculated satisfactorily using reliable capillary pressure data in a series of specific cases. The Brooks and Corey model 10 has been accepted widely to calculate relative permeability using capillary pressure data. However the Purcell model 6 was found to be the best fit to the experimental data of the wetting phase relative permeability in many cases 19 . The differences between the experimental and the Purcell model data for the wetting phase were almost negligible. We concluded in the previous paper 19 that the wetting phase relative permeability could be calculated using the Purcell model 6 and the nonwetting phase relative permeability could be calculated using the BrooksCorey model 10 . According to this finding, the wetting phase relative permeability can be calculated accurately using the following equation:
where k rw and * w S are the relative permeability and the normalized saturation of the wetting phase; λ is the pore size distribution index.
Eq. 1 was derived by substituting the following capillary pressure model 10 into the Purcell model 6 :
where p e is the entry capillary pressure. The normalized saturation of the wetting phase in drainage cases is calculated as follows:
where S w and S wr are the specific saturation and the residual saturation of the wetting phase. For the nonwetting phase, relative permeability can be calculated accurately using the Brooks-Corey model 10 as follows:
where k rnw is the relative permeability of the nonwetting phase. Eq. 4 was obtained by substituting Eq. 2 into the Burdine model 8 .
Li and Horne
19 developed a physical model to explain the reasons to calculate the relative permeability of the wetting and the nonwetting phases in specific cases using Eqs. 1 and 4. Note that different relative permeability models may need to use in different cases. An example is discussed as follows.
Gas-oil flow in rock with initial water saturation is a threephase system but may be considered as a special two-phase fluid flow system in which the water phase is immobile. Assuming water is the strongly wetting phase, both oil and gas are nonwetting phases. In this case, the relative permeability of the gas phase can be calculated using Eq. 4. However the relative permeability of the oil phase may not be calculated using Eq. 1 because oil is also a nonwetting phase. This may be different from the gas-oil two-phase flow without immobile water in which the relative permeability of the oil phase may be calculated using Eq. 1. Based on the physical model developed by Li and Horne 19 , it may be necessary to consider the effect of tortuosity on the oil phase relative permeability in the case in which immobile water exists. Accordingly, it is proposed to calculate the oil phase (nonwetting phase) relative permeability in such a fluid-rock system using the following equation:
where k ro and * o S are the oil phase relative permeability and the normalized oil saturation, which is defined in this case as follows:
where S o and S or are the specific saturation and the residual saturation of the oil phase; S wi is the initial water saturation.
Results
Example numerical simulations for oil production by gravity drainage were conducted using the proposed approach. Only capillary pressure data were imposed as input to simulators. Relative permeability data required for numerical simulations were calculated from the capillary pressure data. The results are discussed in this section.
Comparison of simulation to experimental results.
To demonstrate the application of the numerical simulation approach without specifying relative permeability functions from experimental data, the oil production data by gravity drainage from Pedrera et al. 20 were used. Fig. 1 shows the experimental data of oil recovery, in the units of oil originally in place (OOIP), by gravity drainage in a core sample positioned vertically. The 1m long core had a permeability of 7000 md and a porosity of 41%. Pedrera et al. 20 conducted gravity drainage experiments in the gas-oil-water-rock systems with different wettability. The water phase was immobile. The case studied in this paper was the strongly water-wet system with a wettability index of 1.0 and an initial water saturation of 21%.
The capillary pressure data obtained from the measurements of oil saturation versus the height in the core are plotted in Fig. 2 . In order to calculate relative permeability using capillary pressure data, the Brooks-Corey model (Eq. 2) was used to fit the experimental data shown in Fig. 2 . The match between the model and the experimental data is fairly good as shown in Fig. 2 . The value of entry capillary pressure, p em , obtained by fitting was 0.0259 at and λ was around 7.36.
Gas and oil relative permeabilities were then calculated using Eqs. 4 and 5 with the values of p e and λ from modeling match. The results are shown in Fig. 3 . The reason of using Eq. 5 instead of Eq 1 to calculate the oil phase relative permeability is discussed in the previous section. The experimental data of the oil relative permeability data obtained by Pedrera et al. 20 are also plotted in Fig. 3 . Note that the experimental data of the oil phase relative permeability are very scattered and no gas phase relative permeability are available. It can be seen in Fig. 3 that the oil phase relative permeabilities calculated from the experimental capillary pressure data are approximately an average representation of the experimental data.
The gas and oil relative permeabilities calculated from the capillary pressure data using Eqs. 4 and 5 were used as the input data for numerical simulation. The oil recovery obtained from the numerical simulation using the model data of relative permeability instead of experimental data, represented by the open triangle symbols, is shown in Fig. 1 . The numerical simulator used in this study was Eclipse 100. The core sample was subdivided into 100 grid blocks in the vertical direction for this one dimension problem. Fig. 1 shows that the oil recovery obtained from the numerical simulation using the model relative permeability data is almost the same as the experimental data (represented by the solid circles). The results in Fig. 1 demonstrate that it is possible to conduct numerical simulation to match oil production data correctly without using the experimental data of relative permeability, instead, using the model data calculated from capillary pressure. Using this approach, the effect of the inaccuracy and the uncertainty in the experimental data of relative permeability on the numerical simulation results may be reduced as discussed previously. For example, the experimental data of relative permeability reported by Pedrera et al. 20 were very scattered as shown in Fig. 3 . When these relative permeability data are used, the oil recovery by numerical simulation is significantly different from the experimental data. This is demonstrated in Fig. 1 . The oil recovery by numerical simulation using measured relative permeability data (scattered) is represented by the open diamond symbols. Actually it is impossible to put this kind of relative permeability data in the simulator without any data processing because the simulator requires that oil phase relative permeability should increase with the oil phase saturation singularly. However the experimental data do not behave this way. It is then necessary to fit the experimental data using some models, which may introduce further uncertainty.
Effect of end-point k rg at core scale. The end-point gas phase relative permeability was assumed to be 1.0 in conducting the numerical simulation for the oil production by gravity drainage, which may not be true. However the gas phase mobility is usually much greater than the oil phase mobility. So the effect of the end-point gas relative permeability on the numerical simulation results may be small in some cases. To identify the effect, numerical simulations were run using different values of end-point gas relative permeability ranging from 0.1 to 1.0. The results are shown in Fig. 4 . In this figure, k rg represents the end-point gas relative permeability. It can be seen that the effect of the end-point gas relative permeability on the numerical simulation results is not significant when the end-point gas relative permeability is greater than 0.5. It is estimated that the end-point gas relative permeability in the core with a permeability of 7000 md was greater than 0.5 according to the results by Gates and Leitz 7 who reported that the end-point gas relative permeability in a core with a permeability of 1370 md was around 0.68. Therefore the value of the end-point gas relative permeability used for all the numerical simulations in this study was determined as 1.0.
Effect of λ at core scale. Gravity drainage is an important mechanism in reservoirs developed by gas injection. It has been found that unexpectedly high oil recoveries could be obtained by gravity drainage 21 . Capillary pressure plays an important role in both free and forced gravity drainage cases. It is essential to understand the effect of capillary pressure on the oil recovery by gravity drainage.
Capillary pressure data may be available but relative permeability data may not or may be too scattered to use, as the experimental data of relative permeability shown in Fig. 3 . In this case, the numerical simulation approach without using experimental data of relative permeability can be used. For example, the gas-oil capillary pressure data are determined and shown in Fig. 5 . Note that the capillary pressure data in Fig. 5 are calculated using Eq. 2 with the same value of p e as in Fig. 2 but with different values of λ ranging from 1 to 7. It is assumed that no experimental data of relative permeability are available in this case. The corresponding relative permeability data can be calculated for the different values of λ using Eq. 5 (note that initial water saturation resides in the rock). The results are shown in Fig. 6 .
Numerical simulations were conducted using the capillary pressure data shown in Fig. 5 and the derived relative permeability data in Fig. 6 . The results are shown in Fig. 7 . The other rock and fluid parameters are the same as used in the simulation in Fig. 1 . Pore size distribution index λ is associated with the heterogeneity of rock at the core scale. The greater the pore size distribution index, the more homogeneous the rock. Therefore the oil recovery by gravity drainage may increase with the pore size distribution index, as shown in Fig. 7 .
Effect of p e at core scale. The entry capillary pressure is assumed constant for different values of λ in Fig. 5 . The effect of entry capillary pressure on oil recovery may also be significant. To study this, capillary pressure curves were computed using Eq. 2 with different values of entry capillary pressure but with the same pore size distribution index (λ=7) in all cases. The entry capillary pressure ranged from 0.1 to 2.0p em . p em is the entry capillary pressure measured by Pedrera et al. 20 and used in the simulation in Fig. 1 . The capillary pressure curves calculated using these values are shown in Fig. 8 . Relative permeability is not a function of entry capillary pressure according to Eqs. 1, 4, and 5. Therefore there is only one set of relative permeability curves corresponding to the capillary pressure curves shown in Fig. 8 . The oil and gas relative permeability curves in this case are the same as shown in Fig. 6 (for λ=7) . The effect of entry capillary pressure on oil recovery by gravity drainage was studied by conducting numerical simulations using the capillary pressure data in Fig. 8 and the corresponding inferred relative permeability data. The results are shown in Fig. 9 . The other rock and fluid parameters were the same as used in the simulation in Fig. 1 . It can be seen that the effect of entry capillary pressure on oil recovery by gravity drainage is significant. The oil recovery by gravity drainage in the cases studied increases with the decrease in entry capillary pressure. The results demonstrate the importance of determining entry capillary pressure accurately.
On the other hand, a very limited number of capillary pressure curves are used in numerical simulations for largescale reservoirs, even for reservoirs with great heterogeneity. It may be helpful to understand the effect of capillary pressure on oil recovery by gravity drainage at reservoir scale. This is demonstrated and discussed in the next section.
Effect of λ at reservoir scale. First a cylinder-shaped reservoir (Reservoir 1 in Table 1 ) was created according to the properties of the fluid-rock system used in the experiments reported by Pedrera et al. 20 . The reservoir had the same porosity (41%), permeability (7000 md), and the same initial water saturation (21%) as the core sample. The reservoir had a diameter of 200 m and a height of 50 m. It was assumed that gravity is the only driving force (free gravity drainage) for oil production in this reservoir. The values of other parameters are listed in Table 1 . Numerical simulations were conducted using the gas-oil capillary pressure data (representing different values of λ) shown in Fig. 5 and the inferred relative permeability data in Fig. 6 . The numerical simulation results for this reservoir are demonstrated in Fig. 10 . The effect of pore size distribution index on oil recovery by gravity drainage at reservoir scale is also significant although it is smaller than that at core scale.
To study the effect of λ on the oil recovery by gravity drainage at reservoir scale in a reservoir with a lower permeability (for example, 70 md), the corresponding capillary pressure data are required. The relationship between capillary pressure and permeability is well established. The Jfunction is a frequently used model to represent such a relationship, which is expressed as follows:
Assuming that two reservoirs have the same porosity, wettability, and the same J-function but different permeabilities, the entry capillary pressure of the reservoir (Reservoir 2, see Table 1 ) with a permeability of 70 md, p ec , can be calculated from that of the reservoir with a permeability of 7000 md (p em ). Because the two reservoirs also have the same fluids, the surface tension is the same too. Therefore p ec is equal to 10 p em according to Eqs. 2 and 7. The capillary pressure curves in the 70 md reservoir for different values of λ can be calculated using Eq. 2 with the value of p ec . The results are shown in Fig. 11 . Using the capillary pressure data shown in Fig. 11 as the input, the numerical results in the reservoir with a permeability of 70 md are obtained and shown in Fig. 12 . Relative permeability data are the same as in Fig. 6 because the same values of λ are used. It can be seen that the effect of pore size distribution index on the oil recovery by gravity drainage in low permeability reservoirs is also significant after a period of production time.
Effect of p e at reservoir scale. The entry capillary pressure used to conduct the numerical simulations shown in Figs. 10 and 12 is assumed constant. To study the effect of entry capillary pressure on oil recovery by gravity drainage at reservoir scale, numerical simulations were conducted in Reservoir 1 using the capillary pressure data in Fig. 8 . The results are shown in Fig. 13 . There is almost no effect of entry capillary pressure on oil recovery by gravity drainage for the reservoir with a permeability of 7000 md and a height of 50 m.
When the reservoir permeability decreases from 7000 to 70 md, the entry capillary pressure increases 10 times according to Eq. 7 (assuming that other parameters are unchanged). In this case (Reservoir 2), the effect of entry capillary pressure on oil recovery by gravity drainage is greater than that in Reservoir 1, as shown in Fig. 14 .
The effect of entry capillary pressure on oil recovery by gravity drainage also depends on reservoir height. Fig. 15 shows the numerical simulation results for the same reservoir as in Fig. 14 Fig. 15 to those in Fig. 14 , it can be seen that the effect of entry capillary pressure on oil recovery by gravity drainage is significant and greater in thin reservoirs than that in thick reservoirs.
Discussion
Since the cost of measuring relative permeability is high, the number of core samples chosen to measure relative permeability is an important consideration in the design of special core analysis. Due to this, the question of how many relative permeability measurements are required is raised. It is difficult to determine the number of relative permeability measurements technically and economically although Mohammed and Corbett 22 proposed a method to do so. Because relative permeabilities in many two-phase fluid flow systems can be calculated satisfactorily using capillary pressure data with specific models and the approach proposed in this paper, the answer to the question of how many relative permeability measurements are required may be zero theoretically. However, in cases in which it is technically and financially possible to measure relative permeability, we propose a few experimental measurements. The utilization of the experimental relative permeability data is to prove the validity of the specific models (for specific reservoirs) to calculate relative permeability from capillary pressure.
In conducting numerical simulations for sensitivity analysis, upscaling, and other calculations, capillary pressure and relative permeability data are often determined heuristically using empirical equations without coupling 4 . However, relative permeability data can be calculated using coupled equations as discussed by Li and Horne 19 . In doing so, the data set may be more representative of actual fluid flow mechanisms in reservoirs.
The numerical simulation approach proposed in this article may be useful in many cases in which it is difficult to measure relative permeability, for example, reservoirs with extremely low permeability, geothermal reservoirs, and gas-condensate reservoirs. If the core permeability is extremely low, it takes long time to measure relative permeability and the cost will be high. In geothermal reservoirs, because of the significant mass transfer and phase transformation between two phases (steam and water) as pressure changes, it is very difficult to measure steam-water relative permeability [24] [25] . It is also very difficult to measure gas-condensate relative permeability curves because of the similar mass transfer and phase transformation problem [26] [27] [28] in gas-condensate systems. This approach may also be suitable in cases in which there is no time and no sample to conduct relative permeability measurements. Numerical simulation while drilling is such a case.
Single-phase upscaling is well understood 29 , even in the near-well region [30] [31] . However this is not the case for multiphase upscaling, which is still a challenge [32] [33] . In many cases, reservoir permeability is upscaled but saturation dependent properties (capillary pressure and relative permeability functions) may not be. The coupling between capillary pressure and relative permeability functions and the results presented in this paper suggest that it may only be necessary to upscale the capillary pressure functions. Relative permeability functions at larger scale may be calculated from the upscaled capillary pressure functions. However, capillary pressure is often neglected in many studies regarding numerical simulation and upscaling, even for reservoirs with low permeability and great heterogeneity. If capillary pressure is neglected or assumed to be zero, relative permeability would be a linear function of fluid saturation physically. This is not the case though. It may be more representative of fluid flow mechanisms in reservoirs with low permeability and great heterogeneity to include capillary pressure in studies.
On the other hand, upscaling capillary pressure functions may be easier than upscaling relative permeability functions because of the well-established relationship between capillary pressure and rock-fluid properties. In doing so, computation cost for multiphase upscaling and uncertainty may be reduced significantly. The peculiar shapes of relative permeability curves obtained using some existing upscaling techniques might also be avoided. It is necessary yet to verify this speculation.
Three-phase relative permeability data play a significant role in many cases of numerical simulation. Because of the difficulty in conducting three-phase fluid flow experiments, three-phase relative permeability data are often obtained from two-phase relative permeability data by using specific models. The results have more uncertainty than two-phase relative permeabilities due to the limitation of the models used. Tamim et al. 23 reviewed the uncertainty involved in three-phase relative permeability data related to thermal simulation. If three-phase relative permeability can be calculated from threephase capillary pressure data, uncertainty due to three-phase relative permeability may be reduced. This is still under investigation.
It seems that the numerical simulation technique proposed in this article would not be applicable in cases in which capillary pressure is negligible. However, note that relative permeability may be represented as a linear function of fluid saturation if capillary pressure is negligible. In this case, the numerical simulation approach may still be applied.
Conclusions
Based on the present study, the following conclusions may be drawn: 1. Using only the experimental capillary pressure data, the oil production calculated from numerical simulation is almost the same as the measured experimental data. The relative permeabilities required for numerical simulation can be calculated from the capillary pressure data. 2. A numerical simulation approach was proposed without specifying relative permeability functions separately. This approach allows numerical simulations once reliable capillary pressure data are available, without the need of experimental data of relative permeability. 3. Using the approach proposed in this study, the effect of pore size distribution index on oil recovery by gravity drainage was investigated at both core and reservoir scales. Significant effect was observed at both scales. The oil recovery by gravity drainage increases with the pore size distribution index as expected. 
